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Abstract 
The Devonian Nisku formation in central Alberta is potentially a suitable aquifer for CO2 sequestration. As with many Devonian 
aged aquifers in the Western Canada Sedimentary Basin, it contains H2S from thermochemical sulfate reduction. In spite of this, 
the Devonian Nisku represents a potentially desirable location as it is at the correct depth to ensure that CO2 is in the supercritical 
phase, it has multiple impermeable and low permeability barriers and there is very little hydrocarbon production in the formation. 
This paper presents a modeling study of the injection phase of CO2 into a saline aquifer in the Devonian Nisku formation at 
Wabamum Lake in Central Alberta. The object of the study is to evaluate the differences and problems, if any, between injection 
into a brine with an ambient amount of dissolved H2S and without dissolved H2S. The simulation covers a CO2 injection period 
of 50 years at a rate of 1 Mt/year. 
  
A one dimensional, radial symmetric model was used with a uniform carbonate composition. The mineral composition was from 
the Upper Nisku formation (Eisinger and Jensen, 2009; Nightingale et al., 2009) and a water composition from a producing water 
well in the Nisku formation. The model found that injected CO2 was stored as ionically trapped bicarbonate in a region of 
varying widths, 300 m wide after 1 year of injection to 3000 m wide after 50 years of injection represents from 2 % to 3 % of 
injected CO2. Small amounts are also trapped as calcite and dolomite. The H2S in solution does exsolve as gas during injection 
but this result is inconclusive due to the small amount of dissolved H2S present in the ambient brine. Overall, there were no 
noticeable differences between the models with and without ambient H2S in the brine.  
© 2010 Elsevier Ltd. All rights reserved 
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1. Introduction 
Sequestration of large amounts of CO2 from point source emitters, such as coal-burning power plants, can be 
accomplished by injection of captured CO2 into saline aquifers. However, many deep saline aquifers contain H2S 
whenever minor amounts of anhydrite or sulfate sources are present in the formation. If the unit in question has been 
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buried to reach a temperature of 120°C, H2S will almost certainly form via the process of thermochemical sulfate 
reduction (TSR) (Krouse et al. 1988; Hutcheon, 1999; Simpson, 1999). On a volume basis, the amount of anhydrite 
required to produce 50% H2S in gas at 5% porosity is less than 1% of the rock. Typical anhydrite amounts e.g. in 
Devonian strata of the Western Canadian Sedimentary Basin (WCSB) are much higher. In shallower saline 
formation waters H2S is also quite common, typically formed by bacterial (dissimilatory) sulfate reduction resulting 
in comparatively low but measurable H2S contents.  
The distribution of H2S in the Devonian system in Alberta (Hutcheon, 1999) is shown in Figure 1(a). The 
concentrations (mole fraction) increase towards the west, which corresponds to increases in both temperature and  
maximum depth of burial. H2S  concentration may exceed 0.8 mole fraction H2S in the disturbed belt of the Rocky 
Mountains. The Wabamun Area CO2 Sequestration Project (WASP) investigated the feasibility of injecting one 
gigaton of CO2 (20 Mt-CO2 year-1 for 50 years) into a saline aquifer in the WCSB.  This paper examines the effect 
ambient H2S in the reservoir brines has on CO2 sequestration. This is accomplished by modeling two systems, one 
with and one without ambient H2S in the brine, using TOUGHREACT. 
 
 
2. Geological Setting 
The Devonian Nisku formation in the WASP study area in central Alberta (see Figure 1(b)) was identified as a 
potential aquifer for CO2 injection. The Nisku aquifer is composed of three identifiable sections, the Upper, Middle 
and Lower Nisku. These can be differentiated by, amongst other parameters, porosity and permeability. The Upper 
Nisku has a porosity of 2.9% and a permeability of 2.03 mD, the Middle Nisku 20.9% and 91 mD and the Lower 
Nisku 5.1% and 19.3 mD (Eisinger and Jensen, 2009). The Nisku formation meets the criteria for a suitable aquifer 
(Eisinger and Jensen, 2009). 
3. Model Setup 
3.1. Numerical Method 
All of the simulations were performed using TOUGHREACT v. 1.2 (Xu and Pruess, 2001). The code was based 
on the existing multi-phase fluid and heat flow code, TOUGH2 v. 2 (Pruess, 1991) and the geochemical reactive 
transport code was added. The integral finite difference method for space discretization (Narasimham and 
Witherspoon, 1976) is the basis for the numerical method for simulation of fluid flow. The coupling between the 
geochemical reactions and the fluid transport is a sequential iterative approach (Yeh and Tripathi, 1991). The fluid 
property module ECO2N was used in the modeling. 
Figure 1: (a) Concentration of H2S in gas samples in the Devonian system in Alberta (Hutcheon, 1999). (b)The WASP study area (dashed line) in 
central Alberta (Canada) and location of four large power plants. Black circles show wells that penetrate the Nisku Formation. 
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3.2. Geometry 
A single layer uniform carbonate formation with a thickness of 70 m was considered in the present model and 
extended infinitely in the horizontal direction. One dimensional radial symmetrical was used with non-uniform 
spacing. The simplifications in the model geometry will result in a number of shortcomings and hence we were not 
able to consider non-uniform sweeps, buoyancy forces, convective mixing, etc. Some justification for these 
simplifications are that the slow reaction rates and the long time scales for geological changes will, in the long run, 
make the CO2 distribution more or less uniform over time (Xu et al., 2007).  
3.3. Initial and boundary conditions 
Hydrogeological parameters used are given in Table 1. The Middle Nisku was assumed to be homogeneous. The 
injection rate of CO2 was 31.69 kg/s (1 MT/year) for 50 years with a reservoir pressure of 17.5 MPa.  
 
Table 1. Hydrogeological parameters for the Middle Nisku carbonate formation. 
Permeability (m2) 91.0 10-16 
Porosity 0.209 
Temperature (ºC) 70 
Pore Compressibility (Pa-1) 1.07 10-9  
Tortuosity 0.3 
Capillary Pressure 
Van Genuchten (1980) 
Pcap = -P0([S*]-1/m – 1)1-m 
 
Sgr : irreducible gas saturation 
m: exponent 
P0 : strength coefficient (kPa 
 
S*=(Sl-Slr)/(1-Slr) 
 
Slr = 0.0 
m=0.457 
P0 = 19.61 
Compressibility (Pa-1) 1 10-8 Diffusivity (m2/s) 1 10-9 
Relative Permeability    
   Liquid (Van Genuchten, 1980): 
krl = S
*{1− (1− [S*]1/ m )m}2  
 
Slr : irreducible water saturation 
m: exponent 
 
S*=(Sl-Slr)/(1-Slr) 
 
Slr = 0.3 
m=0.457 
   Gas (Corey, 1954) 
  krg = (1−
 
S )2(1−  S 2)  
 
 
Sgr : irreducible gas saturation 
 
  
 
S = (Sl − Slr )  
/ (Sl − Slr − Sgr)  
 
Sgr = 0.05 
3.4. Initial geochemical conditions 
The initial mineral composition of a representative sample from the Middle Nisku formation used in the 
modeling is shown in Table 2 (Nightingale et al., 2009). Table 3 shows the measured water composition from brine 
obtained from a water producing well located in the Nisku formation (Shevalier and Mayer, 2009). Two species not 
measured are shown in Table 3, AlO2- and O2(aq)were included due to the presence of silicate minerals and to ensure 
redox reactions would occur. The water composition was re-equilibrated with gases such as CO2, H2S and CH4, as 
degassing occurred when the brine was pumped from depth to surface. This was done using SOLMINEQ88 
(Kharaka et al., 1988). Table 4 provides the parameters for the kinetics of dissolution and precipitation for the 
minerals used in the models (Palandri and Kharaka, 2004). Calcite was used as an equilibrium mineral in the 
simulations. Specific details about the kinetics used in the simulations can be found in Xu et al. (2007). 
4. Geochemical reactions 
The dissolution of CO2 in water forms carbonic acid via Reaction 1, also known as solubility trapping, resulting 
in a decrease in the pH. If there are any reactant minerals present, such as calcite, then mineral dissolution occurs 
(Reaction 2) resulting in a free cation and a bicarbonate ion causing both the pH and the cation concentration to 
increase.  
 CO2 + H2O  H2CO3H2CO3  H+ + HCO3- Solubility Trapping    (1) 
 CaCO3 + H+  Ca2+ + HCO3-  Mineral Dissolution   (2) 
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Thus, the net reaction between injected CO2 and calcite is as follows, also known as ionic trapping: 
 CO2 + H2O + CaCO3  Ca2+ + 2HCO3- Ionic Trapping           (3) 
These are two of the primary reaction that could occur in the short time frame of injection into the Middle Nisku 
formation. Other reactions include the CO2-mineral trapping mechanisms as outlined by Gunter et al (1997). 
 
Table 2. Mineral volume fractions and potential secondary minerals for the Middle Nisku carbonate formation. 
 
 
 
 
 
 
 
 
 
 
 
 
Table 3.  Initial chemical species concentrations of saline aquifer water used in the ToughReact simulations. 
 
 
 
 
 
 
 
 
 
 
5. Simulation Results 
The results are presented in graphical form as a function of radial distance from the injector well at discrete time 
intervals, 1, 10, 25 and 50 years.  Two sets of simulations were preformed, one with and one without dissolved H2S 
present in the brine in order to evaluate the effect of ambient dissolved H2S on the geochemistry of the reservoir 
when large amounts of CO2 (1 MT/year for 50 years) are injected. 
5.1. Brine Chemistry 
pH distribution as a function of radial distance and time is shown in Figure 2. The initial observation is that for 
all the simulations pH appears to increase from values below 4.0 to 5.11. The region of pH < 4.0 is the region where 
there is no water present, i.e. the value of the gas saturation is ~1.0. This complete dehydration was probably due to 
the high rate of CO2 injection, 1MT/yr (31.69 kg/sec). The dehydration region ranges from 14.1 m after 1 year to 
98.0 m after 50 years. Beyond this region, the pH is initially at a value of 5.11 and remained constant, then increased 
Mineral Chemical Formula Volume percent 
  of Solid of Medium 
Primary Minerals   
Dolomite CaMg(CO3)2 80.35 63.56 
Calcite CaCO3 16.02 12.67 
Illite K0.6Al1.8Mg0.25(Al0.5Si3.5O10)(OH)2 1.97 1.56 
K-feldspar KAlSi3O8 1.00 0.79 
Low-Albite NaAlSi3O8 0.65 0.52 
Porosity   20.90 
Secondary Minerals   
Kaolinite Al2Si2O5(OH)4 Ankerite CaMg0.3Fe0.7(CO3)2 
Na-smectite Na0.29Mg0.26Al1.77Si3.97O10(OH)8 Magnesite MgCO3 
Ca-smectite Ca0.145Mg0.26Al1.77Si3.97O10(OH)8 Anhydrite CaSO4 
Dawsonite NaAlCO3(OH)2 Quartz SiO2 
Aragonite SrCO3 Pyrite FeS2 
Siderite FeCO3   
Species Concentration 
(mol/kg) 
Species Concentration 
(mol/kg) 
pH 6.10 SiO2(aq) 4.56 x 10-4 
Ca2+ 0.41 HCO3- 2.01 x 10-2 
Mg2+ 9.33 x 10-2 SO42- 5.21 x 10-3 
Na+ 2.56 Cl- 3.44 
K+ 0.10 AlO2- 1.36 x 10-7 
Sr2+ 1.08 x 10-2 O2(aq) 4.88 x 10-70 
Fe2+ 9.35 x 10-6 H2S(aq) 3.97 x 10-2 
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over a very short distance from 5.05 to 6.29 and remained constant over the rest of the radial distance. This 
represents the region where CO2 had diffused into the reservoir fluids and solubility trapping is occurring causing 
the pH to remain slightly acidic. This pattern was observed for both H2S and non-H2S aquifers (Figure 2). 
 
 
 
Figure 3 shows the concentration of bicarbonate (in moles/kg) as a function of distance. The initial concentration 
of bicarbonate in the water is ~0.02 moles/kg across the entire modeling area. After 1 year, for both models, the 
concentration of bicarbonate in the water was ~1.08 moles/kg at a distance of ~14 m from the injector. At a distance 
of  ~500 m the concentration decreased to the ambient value of ~0.02 moles/kg. A similar increase and decrease in 
bicarbonate concentration was evident for all times but at increasing distances from the injector. The increase in 
bicarbonate concentrations along with the decrease in pH was accompanied by significant changes in Ca2+ and Mg2+ 
concentrations (not shown). The Ca2+ decreased from an initial ambient value of ~0.37 moles/kg to ~0.020 moles/kg 
at ~14 m after the onset of CO2 injection and remained constant until ~500 m where it then further decreased to 
~0.017 moles/kg. This trend was similar for all times except that increasing initial and final distances. The Mg2+ 
concentration exhibited an opposite trend. The ambient Mg2+ concentration in the reservoir was 0.085 moles/kg and 
~0.542 moles/kg after CO2 injection. The changes in Ca2+, Mg2+, bicarbonate concentrations (which were all similar 
for both H2S and non-H2S brines) and the pH increase at similar distances indicate that dissolution and precipitation 
of calcite and dolomite were occurring suggesting that both solubility and ionic trapping were occurring in this 
region. Table 5 summarizes the amount of CO2 sequestered in the brine by solubility trapping over the 50 year 
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injection phase. The very gradual increase in sequestration of CO2 over time was due to the larger fluid volumes 
available as the CO2 travels radially outward into the reservoir.  
 
 
Figure 2: pH of brine as a function of radial distance and time after commencement of CO2 injection for (a) non-H2S (b) H2S containing aquifers. 
 
Figure 3: HCO3 concentrations in brine as a function of radial distance and time after commencement of CO2 injection for (a) non-H2S (b) H2S 
containing aquifers 
 
 
5.2. Mineral Reactions 
Figures 4 and 5 show the change in the volume fraction of the two main minerals present in the reservoir, 
dolomite and calcite. A small decrease in dolomite content (~0.45% volume fraction decrease) was observed within 
~10 m of the injector. Thereafter the amount of dolomite present remained constant as the radial distance increased 
followed by a small increase. However, there was still an overall decrease in volume fraction of dolomite of ~0.3%. 
The radial distance of this volume change increased with time, from ~200 m after 1 year of injection to ~3000m 
after 50 years. Calcite displayed an opposite trend, i.e. the volume fraction of calcite increased (0.4 % volume 
fraction) at similar radial distances then remained constant and then decreased slightly displaying an overall increase 
of 0.3% volume fraction at similar distances to the dolomite change. There were no significant differences between 
the H2S and non-H2S containing brines. 
5.3. H2S Gas in Reservoir 
When using the Nisku as an aquifer for CO2 sequestration it is necessary to consider the presence of naturally 
occurring H2S. The amount of H2S present in the waters fused in the second model was small, 0.0397 moles/kg. 
Figure 6 shows the concentration of H2S gas in the reservoir. Initially there is very little free gas present, 10-31 bars 
of H2S and 0.445 bars of CO2. As CO2 injection commenced, the amount of free CO2 increased significantly, 246 
bars, while the amount of free H2S increased slightly to 10-26  bars. The region of increased H2S presence drops off at 
the CO2 front, i.e. the same region where the bicarbonate concentration decreased from 1.8 moles/kg to 0.02 
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moles/kg. This saline aquifer was undersaturated with H2S and currently a study is underway to examine the amount 
of free H2S present for the case where the reservoir is fully saturated with H2S. 
 
 
Figure 3: Volume abundance of dolomite in reservoir as a function of radial distance and time after commencement of CO2 injection for (a) non-
H2S (b)H2S containing aquifers. 
 
Figure 4: Volume abundance of calcite in reservoir as a function of radial distance and time after commencement of CO2 injection for (a) non-
H2S (b)H2S containing aquifers. 
Table 5. Amount of CO2 stored as HCO3 in the brine as a function of time. 
 
 
 
 
 
 
 
 
 
 
 
 
 
Figure 5 Free H2S in reservoir as a function of radial distance and time after commencement of CO2 injection 
Time 
(years) 
Amount of CO2 stored in 
brine as HCO3- (MT) 
Percentage of injected 
CO2 stored as HCO3-  
1.0 -0.012 -0.25% 
5.0 0.096 1.91% 
10.0 0.256 2.56% 
12.5 0.324 2.59% 
25.0 0.658 2.63% 
37.5 1.125 3.00% 
50.0 1.578 3.16% 
M. Shevalier et al. / Energy Procedia 4 (2011) 4403–4410 4409
8 M. Shevalier et al./ Energy Procedia 00 (2010) 000–000 
6. Conclusions 
(1) CO2 injection created a dehydrated region around the injection wellhead with the radius increasing from 
~14 m after 1 year to ~98 m after 50 years. 
(2) A small amount of injected CO2 was sequestered in the brine as HCO3 due to solubility trapping.  
(3) Small amounts of dolomite and calcite were dissolved/precipitated in the reservoir. 
(4) There were no significant observable differences in the chemical or mineralogical reactions between the 
H2S and non-H2S containing aquifers. 
(5) There appears to be a very small amount of free H2S gas present in the up to the CO2 front. 
 
Acknowledgment 
 
This work was supported by a grant from the Wabamum Area CO2 Sequestration Project (WASP), University of 
Calgary. 
REFERENCES  
Corey, A.T., The interrelation between gas and oil relative permeabilities. Prod. Mon. 38–41, 1954. 
Eisinger , C., Jensen, J., Data Integration, Petrophysics and Geomodelling, Wabamum Area CO2 Sequestration Project (WASP) Internal Report, 
University of Calgary, 2009 
Hutcheon, I., Controls on the distribution of non-hydrocarbon gases in the Alberta Basin, Bull. Can. Pet. Geol., 47(4), 573-593, 1999.  
Kharaka, Y. K., Gunter, W., Aggarwal, P. K., Perkins, E. H. and De Braal, J. D., SOLMINEQ88: a computer programme for geochemical 
modelling of water-rock reactions. USGS Water Resources Investigation Report, 88-4227, 1988.  
Krouse, H.R., Viau, C.A., Eliuk, L.S., Ueda, A. and Halas, S., Chemical and isotopic evidence of thermochemical sulphate reduction by light 
hydrocarbon gases in deep carbonate reservoirs, Nature, 333, 415-419, 1988. 
Narasimhan, T.N., Witherspoon, P.A., An integrated ﬁnite dfference method for analyzing ﬂuid ﬂow in porous media, Water Resour. Res., 12, 
57–64, 1976. 
Nightingale, M., Shevalier, M., Mayer, B., Wabamun Area Sequestration Project: Mineralogy Report, Wabamum Area CO2 Sequestration 
Project (WASP) Internal Report, University of Calgary, 2009 
Palandri, J., Kharaka, Y.K., A compilation of rate parameters of water–mineral interaction kinetics for application to geochemical modeling. US 
Geol. Surv. Open File Report 2004-1068.64, 2004.  
Pruess, K., TOUGH2: A General Numerical Simulator for Multiphase Fluid and Heat Flow, Lawrence Berkeley Laboratory Report LBL-29400, 
Berkeley, California, 1991.  
Shevalier, M., Mayer, B., Wabamun Area Sequestration Project: Baseline Geochemistry and Preliminary Geochemical Modelling, Wabamum 
Area CO2 Sequestration Project (WASP) Internal Report, University of Calgary, 2009 
Simpson, G., Sulfate reduction and fluid chemistry of the Devonian Leduc and Nisku formations in south-central Alberta. Ph.D. Thesis, 
University of Calgary (unpublished) 1999. 
Van Genuchten, M.Th., A closed-form equation for predicting the hydraulic conductivity of unsaturated soils. Soil Sci. Soc. Am. J., 44, 892–898, 
1980. 
Xu, T., Pruess, K., On ﬂuid ﬂow and mineral alteration in fractured caprock of magmatic hydrothermal systems, J. Geophys. Res., 106, 2121–
2138, 2001. 
Xu, T., Apps, J., Pruess, K., Yamamoto, H.,  Numerical modeling of injection and mineral trapping of CO2 with H2S and SO2 in a sandstone 
formation, Chem. Geol., 242, 319-346, 2007. 
Yeh, G.T., Tripathi, V.S., A model for simulating transport of reactive multispecies components: model development and demonstration, Water 
Resour. Res., 27, 3075–3094, 1991. 
 
 
4410 M. Shevalier et al. / Energy Procedia 4 (2011) 4403–4410
